An experimental study of imbibition process and ﬂuid distribution in tight oil reservoir under different pressures and temperatures by Liang, Yisheng et al.
Capillarity Vol. 4, No. 4, p. 66-75, 2021
Original article
An experimental study of imbibition process and fluid
distribution in tight oil reservoir under different pressures and
temperatures
Yisheng Liang1,2, Fengpeng Lai1,2 *, Yuting Dai1,2, Hao Shi1,2, Gongshuai Shi1,2
1School of Energy Resources, China University of Geosciences (Beijing), Beijing 100083, P. R. China







Liang, Y., Lai, F., Dai, Y., Shi, H., Shi, G.
An experimental study of imbibition
process and fluid distribution in tight oil
reservoir under different pressures and
temperatures. Capillarity, 2021, 4(4):
66-75, doi: 10.46690/capi.2021.04.02
Abstract:
Tight reservoirs are a major focus of unconventional reservoir development. As a means to
improve hydrocarbon recovery from tight reservoirs, imbibition has been received increas-
ing attentions in recent years. This study evaluates how the changes in temperature and
pressure affect imbibition through conducting experimental tests under various conditions
on samples from the Yan Chang formation, a tight reservoir in Ordos Basin. The fluid
distribution is compared before and after imbibition in core samples by nuclear magnetic
resonance method. The results show that the imbibition recovery is significantly improved
through increasing temperature and pressure. A high temperature facilitates molecular
thermal movements, increasing oil-water exchange rate. The core samples are characterized
with nano-mesopores, which is followed by nano-macropores, micropores, mesopores,
and nano-micropores. Comparative analysis of nuclear magnetic resonance shows that the
irreducible water saturation increases after imbibition and is mainly distributed in nano-
pores. Increasing pressure increases the amount of residual water in nano pores, with the
relatively more significant increase in the amount of residual water in nanomacro-pores
compared with other types of pores.
1. Introduction
Tight-oil resources contribute a significant portion to the
unconventional resources in China. It is reported that by 2018,
China’s unconventional oil resources were 672.08 × 108 t,
among which tight oil resources accounted for 125.80×108 t
(Zou et al., 2018). Because of the tiny pore throat and high
capillary force, evaluating the imbibition behaviors is of great
significance to improve oil recovery from tight reservoirs.
Previous imbibition studies can be categorized into the-
oretical and experimental research to evaluate mechanisms
of imbibition in tight reservoirs. The theoretical models of
spontaneous imbibition are generally divided into two groups,
one is the piston water-displacement model based on Hagen-
Posieuille equation (Washburn, 1921; Wang and Sheng, 2020),
and the other is non-piston waterflooding model, based on
the partial discharge equation (McWhorter and Sunada, 1990;
Schmid et al., 2013). The theoretical model of spontaneous
imbibition can be expressed with dimensionless time, and
the experimental data are typically normalized to upscale to
reservoir conditions. Aronofsky and Jenkins (1954) established
an empirical model of spontaneous imbibition to describe the
variation of spontaneous imbibition efficiency with imbibition
time. Many scholars have thereby modified the empirical
model. Among them, Ma et al. (1997) and Mason et al. (2010)
considered the influence of wetting-phase fluid viscosity on
imbibition. Several studies have further examined the effects
of boundary conditions, gravity, initial water saturation, and
surfactant on spontaneous imbibition (Zhang et al., 1996;
Babadagli, 2002; Li et al., 2002; Mason et al., 2010; Nasralla
et al., 2013). Cai et al. (2014) modified the spontaneous-
imbibition model by considering pore size, pore shape, and
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tortuosity of the imbibition streamline. Gao and Hu (2015)
studied the effects of median pore-throat diameter on spon-
taneous imbibition, and proposed a new scaling equation to
compensate for the relationship between median pore-throat
diameter and imbibition. A general scaling equation was
used to describe the countercurrent spontaneous imbibition
process (Schmid et al., 2011). Ghasemi et al. (2020) studied
the influence of various factors on gas reservoir imbibition,
and introduced a new scale equation, which can be used to
accurately predict the imbibition in gas reservoir. Shen et al.
(2020) established an analytical model which describes the
capillary rise in nano-channels by considering inherent surface
roughness, and reported a good agreement between the model
and experimental results. Their model provided an option to
predict imbibition through using their relationship between
imbibition height and time. Xu et al. (2021) found that the
traditional models can significantly deviate from experimental
data, and proposed to couple the factors of fluid and reservoir
into imbibition model. Gong et al. (2021) proposed a new
full dynamic pore network modeling platform, which can
be used to study the pore scale under various two-phase
flow conditions in fractures, and their findings have extended
implications for predictions of capillary trapping behavior in
fractured media.
They studied the effect of different surfactants on interfa-
cial tension, so as to improve oil recovery rate and recovery
(Schechter et al., 1994; Adibhatla and Mohanty, 2008; Mo-
hammadi et al., 2019). Yildiz et al. (2006) analyzed the influ-
ence of shape factor and boundary conditions on spontaneous
imbibition. Akbarabadi and Piri (2014) conducted sorption
experiments with brine, surfactant and oil. Yang et al. (2015)
studied the relationship between imbibition characteristics,
pore connectivity and pore-size distribution. Lai et al. (2016)
studied the effects of boundary conditions, wettability, temper-
ature, and oil viscosity on water absorption. Cai et al. (2020)
studied the effects of salinity and mineral composition on self
absorption by conducting a series of imbibition experiments on
four kinds of dense sandstones with different mineral contents,
and systematically changing salinity to study its effects on
Imbibition capacity and permeability. Dynamic imbibition is
a type of spontaneous imbibition when the external liquid
is flowing, that is, the water has a certain injection speed.
To study the influence of different boundaries on imbibition,
Meng and Cai (2018) reviewed the imbibition research at core
scale, analyzed the relative permeability of imbibition, and
finally discussed the analysis model of imbibition. Previous
results show that the dynamic imbibition efficiency firstly
increases and then decreases with increasing displacement
velocity, and reaches a dynamic balance between imbibition
and displacement at a flow rate of 0.04 mL/min, which is also
the flow rate at which the imbibition efficiency is maximized.
Dou et al. (2020) studied the dynamic imbibition displacement
mechanism of a tight sandstone reservoir in the Yan Chang
Formation of the Ordos Basin. They reported an optimal
displacement rate in dynamic imbibition displacement, and
showed that the optimal displacement rate increases almost
linearly with the increase in core permeability. Their results
provided theoretical guidance for the optimization and im-
provement of the water-injection technology in tight sandstone
reservoirs. Comparing the pros and cons of imbibition under
static and dynamic conditions, studies have evaluated the influ-
ences of fluid type, fluid concentration, fluid injection volume,
displacement velocity, reaction time, and core permeability on
the imbibition displacement efficiency, and these studies have
determined the optimum dynamic imbibition displacement
velocity (Fini et al., 2012; Dou et al., 2021; Hu et al., 2021).
Previous studies mainly focused on the imbibition at
macro-scale. However, it remains uncertain about how tem-
perature and pressure affect imbibition at micro-scale, and
the fluid distribution in the pores of tight reservoirs. In this
study, imbibition experiments were conducted under various
conditions of temperature and pressure on core samples col-
lected from Yan Chang Formation, a tight reservoir in the
Ordos Basin. The fluid distribution in the pore network of core
samples was further evaluated by nuclear magnetic resonance
(NMR) method before and after imbibition.
2. Experiments
2.1 Materials
Fig. 1 shows the six core samples collected from the
Yan Chang Formation. Before the experiment, the cores were
cleaned by ultrasonic for 1 h, and then washed with distilled
water. The samples were placed in a drying oven, and the
temperature was set under 105 ◦C for 24 h. After the samples
being cooled down to room temperature, the length (L) and the
diameter (D) of samples were measured. The cores were then
weighed by an electronic balance, and the weight was recorded
as M. Table 1 summaries the key information of six samples.
In order to simulate the formation condition, 2000 mL of
formation water was prepared. Dehydrogenated kerosene was
employed to replace oil in the experiment.
Fig. 1. Six core samples used in this study.
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Table 1. Basic parameters of six samples.
No. Diameter (cm) Length (cm) Volume (cm3) Porosity (%) Permeability (mD)
S1 2.47 3.04 14.56 4.81 0.08
S2 2.47 3.13 14.98 10.39 0.09
S3 2.50 4.06 19.92 4.06 0.04
S4 2.50 4.00 19.63 4.00 0.06
S5 2.50 3.07 15.06 4.67 0.03





































Fig. 3. Schematics of device for the displacement experiments.
2.2 Vacuum and pressure saturation experiment
The saturated water in the sample was replaced by dehy-
drogenated kerosene to obtain the rock sample with saturated
oil and irreducible water. Then, the treated samples and the
simulated formation water were placed into a vacuum device
(Figs. 2 and 3). The device was vacuumed for 12 h to discharge
the air in the device. The pressure valve was opened, formation
water was injected and the saturation pressure was set to 20
MPa. With negative pressure in core and 20 MPa of pressure
in the device, the simulated formation water entered the core
through pore channels. This process lasted for 24 h. After
pressure saturation, rock samples were taken and placed in
simulated formation water containers for further use.
The displacement experiment was conducted in the follow-
ing four key steps:
1) The flow rate was set at 0.01 mL/min, and the interme-





Fig. 4. Schematics of the high temperature and pressure suction device.
2) The core was placed in the core holder and the confining
pressure was set to 8 MPa.
3) A small measuring cylinder was connected at the device
end to measure the amount of the displaced water.
4) After performing the displacement experiment for 24 h,
the core was removed from the support and the liquid on
the surface was wiped off. After the experiment, the rock
sample was placed in a dehydrogenated kerosene bottle
for further usage.
2.3 Imbibition experiments under different
temperatures and pressures
Fig. 4 shows the schematics of the high temperature and
pressure imbibition device. After the sample being saturated
in oil, it was placed in the imbibition device and changed
the external pressure and temperature. The imbibition curves
under the temperature of 20 ◦C/60 ◦C and pressure of 0.1
MPa/4 MPa were compared, respectively. Only one variable
was changed at a time. Different temperatures and pressures
were combined to form different experimental conditions.
After the imbibition experiment started, the imbibition state at
different time was recorded outside the instrument. The change
of instrument indication in the imbibition device reflected the
degree of imbibition. Meanwhile, to mimic the imbibition
process under formation condition, 2000 mL of the formation
water was prepared with a density of 1.2 g/cm3.
The specific experimental steps were as follows
1) The rock sample was placed in the imbibition bottle and
set the corresponding temperature and pressure.
2) The observation interval was increased from 5 min to 10
min, 20 min, and 1 h.
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3) After 24 hours of core imbibition, the pressure and
temperature of the imbibition instrument are released and
the core is taken out.
4) By dividing the oil volume obtained at the end of the
imbibition experiment by the oil volume obtained from
the displacement experiment, the imbibition recovery was
obtained.
5) After imbibition, the core was put into the NMR instru-
ment to obtain the T2 spectrum. For the rest of the cores,
the experimental steps above were repeated.
2.4 NMR experiment
The samples were put into the NMR device to obtain the
T2 spectrum under different states after the above-mentioned
experiments, reflecting the fluid distribution in the pores
under different states (Tinni et al., 2015; Lai et al.,2019). By
comparing the distribution of pore fluid after imbibition under
different conditions, the distribution of the pore fluid under
different temperature and pressure conditions was obtained.
Because the principle of NMR experiment is to detect the
distribution of H+ ions, the use of dehydrogenated kerosene
in the experiment can avoid detection, and the response in the
NMR thus mainly reflects the dynamics of water flow. The
specific experimental steps were summarized as follows.
1) Before the NMR experiment, the sample was gently
wiped with a paper towel to remove the fluid on the
core surface to prevent the fluid from affecting the
experimental results.
2) The core to be tested was put into a tube, which was
placed into the NMR instrument. The relevant scanning
times and frequency offset were set.
3) After scanning, the core was taken out from the tube and
put into the empty bottle for further usage.
4) The T2 spectrum data obtained after the end of the NMR
experiment were processed, exported, and recorded.
3. Experimental results
By comparing the curves of the relationship between the
recovery rate and time under different conditions, the influence
of temperature and pressure on the imbibition was obtained.
Table 2 shows the imbibition recovery under different condi-
tions. Under 20 ◦C and 0.1 MPa, the recovery ranges from
16.10% to 26.44%, with an average value of 22.90%. With
the increase in the temperature or pressure, the recovery is
Table 2. Final recovery of imbibition.
No. Imbibition recovery
20 ◦C 0.1 MPa (%) 20 ◦C 4 MPa (%) 60 ◦C 4 MPa (%)
S1 20.30 21.92 28.1
S2 26.25 26.85 29.30
S3 16.10 18.66 36.38
S4 23.97 24.63 30.21
S5 24.39 25.24 33.21
S6 26.44 27.15 36.10
Table 3. Imbibition experiment results of rock samples under 4 MPa and
60 ◦C (part).
Time (min) Volume (mL) Recovery (%)
S1 S3 S1 S3
10 0 0 0 0
20 0.001 0.012 0.30 2.15
60 0.008 0.019 2.42 4.04
720 0.055 0.097 16.67 20.63
2000 0.092 0.151 28.10 32.12
5000 0.093 0.171 28.10 36.38
6000 0.094 0.172 28.10 36.38
 
Imbibition recovery curve at 4MPa and 60 ℃ 
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Fig. 5. Imbibition curves of recovery against time for Samples S1, S2, S3,
and S4 under 4 MPa and 60 ◦C.
improved to different degrees, and the increase in the recovery
with increasing temperature is the most evident.
3.1 Imbibition curves under 60 ◦C and 4 MPa
Table 3 shows the imbibed volume and recovery for the
samples of S1 and S3 under 60 ◦C and 4 MPa. Fig. 5 shows
the imbibition curves of recovery against time for samples S1,
S2, S3, and S4 under 4 MPa and 60 ◦C. The results show that
the imbibition curves can be divided into three stages. The
imbibition recovery is most obviousin Stage I. The imbibition
curve is relatively smooth and steadily rises in Stage II, and the
results show a slower ncrease in recover compa d with Stage
I. In Stage III, the recovery almost remains constant, and the
imbibition is almost completed. Meanwhile, the results show
an upward trend in the imbibition recovery under the condition
of a certain temperature and pressure compared with that under
normal temperature and pressure conditions. One may expect
that the increase in the temperature reduces the viscosity of
the crude oil to a certain extent, which is conducive to the
oil-water exchange of fluid in micro pores, that results in the
increasing the imbibition recovery.
3.2 Imbibition under 4 MPa and 0.1 Pa
Tables 4 and 5 list the change in the volume of the
separated oil in the imbibition instrument at the conditions
of 0.1 and 4 MPa, respectively. The results show that the
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Table 4. Imbibition experiment results of rock samples under 0.1 MPa and 20 ◦C (part).
Time (min) Volume (mL) Recovery (%)
S1 S2 S3 S4 S1 S2 S3 S4
5 0 0 0 0 0 0 0 0
360 0.035 0.03 0.001 0.035 10.61 3.75 0.21 6.6
960 0.04 0.05 0.003 0.045 12.12 6.25 0.64 8.49
4000 0.06 0.16 0.043 0.15 19.20 20.00 10.21 22.0
4500 0.095 0.17 0.063 0.16 19.40 21.25 15.81 22.1
5000 0.095 0.19 0.079 0.18 20.30 23.75 15.96 23.96
6000 0.095 0.21 0.079 0.183 20.30 26.25 16.10 23.97
Table 5. Imbibition experiment results of rock samples under 4 MPa and 20 ◦C (part).
Time (min) Volume (mL) Recovery (%)
S1 S2 S3 S4 S1 S2 S3 S4
5 0 0 0 0 0 0 0 0
360 0.001 0.04 0.001 0.001 0.30 3.75 0.21 0.19
960 0.008 0.06 0.003 0.004 2.42 6.25 0.64 0.75
4000 0.055 0.18 0.048 0.051 16.67 20.00 10.21 9.62
4500 0.072 0.19 0.079 0.087 21.89 21.25 16.81 16.42
5000 0.073 0.20 0.083 0.1305 21.92 23.75 17.66 24.62
6000 0.074 0.22 0.083 0.1307 21.92 26.85 17.66 24.63
imbibition rate proceeds from fast to slow in the early 360 min,
while the oil volume varies greatly with a high imbibition rate
after 360 min, where the speed slows down until it is stable.
Figs. 6 and 7 show that the imbibition recovery is around
17-26%. Based on the curve shape, the imbibition process
is divide into three regions. The results show insignificant
increment in imbibition recovery but significant difference in
imbibition rate as pressure changes from 0.1 to 4 MPa. As
shown in Figs. 6 and 7, Stage II of samples under 4 MPa ends
at around 2000 min, while Stage II of samples under 0.1 MPa
ends at around 4000 min. Meanwhile, the imbibition rate of all
cores increases, and a higher imbibition rate is achieved. The
average imbibition rate is 7.01×10−5 mL/min under 0.1 MPa,
while the imbibition rate increases to 7.97 × 10−5 mL/min
under 4 MPa. One may expect that pressure may affect the
capillary pressure between the oil and water phase in the pore
throat, and increasing the confining pressure will affect the
imbibition by affecting the capillary pressure in the pore throat
(Wang et al., 2020).
4. Discussions
4.1 Effects of temperature on imbibition recovery
In this section, the data of the imbibition experiments at
20 ◦C and 4 MPa and 60 ◦C and 4 MPa are presented and
analyzed to determine the influence of temperature on the
imbibition. Fig. 8 presents a comparison of the imbibition
recovery of the samples S1 and S2 under the experimental
conditions of 4 MPa under 20 ◦C and 4 MPa under 60 ◦C.
 
Imbibition recovery curve at 4MPa and 60 ℃ 
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Fig. 6. The imbibition curves of recovery against time for samples S1 to S4
under 0.1 MPa and 20 ◦C.
 
Imbibition recovery curve at 4MPa and 60 ℃ 
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Fig. 7. The imbibition curves of recovery against time for samples S1 to S4
under 4 MPa and 20 ◦C.
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4 MPa imbibition recovery curve at 20℃ temperature 
 
Comparison of imbibition recovery curves under different temperature conditions 
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Fig. 8. Comparison of imbibition recovery curves under different temperature
conditions.
As shown in Fig. 8, the imbibition recovery improves as
temperature increases. The recovery curve of the same core
under 6 ◦C is above that of the 20 ◦C curve, indicating that
the imbibition effect is more significant under 60 ◦C. In Stage
I, the imbibition recovery of core S1 increases by 7% and the
imbibition recovery of S2 increases by 5%, which indicates
that te perature also plays an important role in the initial
stage of imbibition. The curve rises slowly in Stage II, and
the imbibition basically ends in Stage III.
As temperature increases from 20 to 60 ◦C, the recovery
of S1 increases from 22.1% to 29.4%, and that of S2 increases
from 26.25% to 29%. In other words, an increase in the
temperature gradually increases the imbibition recovery, which
is consistent with the variation of crude oil viscosity with
temperature. From the perspective of thermodynamics and
molecular dynamics, when the temperature is increased, the
heat absorbed by the crude oil is transformed into kinetic
energy between molecules. The thermal motion of molecules
is accelerated, and the macro performance or the viscosity
of the crude oil decreases, which makes it easier for crude
oil to flow between formations, thus promoting the imbibition
process. An increase in the temperature results in the thermal
expansion of the core’s matrix, which leads to the decrease
in the size of some pores in the core. The capillary force
is the main driving force of imbibition, the pore size of the
core becomes smaller, the capillary force is increased, and the
formation crude oil expands by heating, which promotes the
recovery.
The increase in temperature may somehow change the
rock wettability, which can be tested by measuring the con-
tact angles. Studies have reported that increasing temperature
increases the wettability angle and the hydrophilicity of the
core, contributing to an improved recovery (Sohi et al., 2009;
Hendraningrat and Torsæter, 2014). The increase in temper-
ature reduces the interfacial tension, leading to an increased
recovery. The increase in temperature may slightly decreases
capillary force. However, the decrease in capillary force is
expected to negligible in improving oil recovery compared
with other factors (Sohi et al., 2009).
4 MPa imbibition recovery curve at 20℃ temperature 
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Fig. 9. Comparison of imbibition recovery and time curves of some cores
under different pressure conditions.
4.2 Effects of pressure on imbibition recovery
Fig. 9 shows the relationship between imbibition recovery
and time under different pressures in some cores. The imbibi-
tion recovery of the core under a pressure of 4 MPa is better
than that of under 0.1 MPa. The internal structure of the rock
is deformed slightly by the increasing of the pressure. The
capillary force becomes stronger. Due to compaction, the oil
in the nanoscale pores is discharged, resulting in an increase
in the core imbibition recovery.
In area I, the recovery curve of the S3 core under 20
◦C and 0.1 MPa is higher than 20 ◦C and 4 MPa curve at
100 min before the start of imbibition, and the increase in
the rise of the 20 ◦C and 4 MPa imbibition curve is greater
than that of the 0.1 MPa curve 100 min after the start of
imbibition. Similarly, in area II, S1 shows a similar trend to
S3 when the imbibition lasts for 500 minutes. The reason
for this is that during the rise in the imbibition rate, the
formation water enters the small pores in the core. Increasing
confining pressure is expected to change the structure of small
to medium-size pores in the core, affecting the capillary force
which further improves the imbibition efficiency (Wang et al.,
2020). Following this, the imbibition efficiency significantly
improves under the influence of enhanced capillary force and
compaction. Taking S3 as an example, the imbibition curve
rises slowly after 550 min of imbibition, while it basically ends
after 4000 min of imbibition under 20 ◦C and 0.1 MPa, which
indicates that the pressure affects the end time of imbibition.
Increasing the imbibition pressure has a positive effect on
improving the core imbibition recovery.
It can be seen that under the condition of constant control
pressure, increasing the imbibition temperature obviously im-
proves the imbibition recovery. In addition, when the tempera-
ture is controlled and the environmental pressure is increased,
the oil recovery also increases. Therefore, increasing the
temperature and pressure can promote oil recovery.
Fig. 10 compares the imbibition recovery of samples under
different temperature and pressure conditions. The curves of
the two samples under 60 ◦C and 4 MPa are above the
curves of the samples at room temperature and pressure. The
imbibition recovery rate of the sample under 60 ◦C and 4 MPa
is higher than that of the sample under 20 ◦C and 4 MPa. The
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Table 6. Classification of pore areas based on T2 spectral values (Jiang et al., 2018).
Relaxation time (ms) Pore diameter (nm) Pore area
0.1∼100 1∼1000 Nano pore
≥100 ≥1000 Microporous/Mesoporous
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Fig. 10. Comparison of the influence of temperature and pressure of some
cores on the permeability recovery.
imbibition recovery rate under 60 ◦C and 4 MPa increases
obviously and reaches more than 10%.
4.3 Fluid distribution under different
temperatures and pressures
The pore size classification method proposed by Loucks
et al. (2012) categorizes pore areas into nanopores (less than
1.0 µm), micropores (1.0∼62.5 µm), and mesopores (62.5
µm∼4.0 mm). Based on the size of the T2 spectrum, the
aperture is mainly distributed in the following three intervals:
0.1∼100 ms, 100∼1000 ms, and ≥1000 ms. Based on the
average value method, the conversion coefficient between the
T2 value and the pore diameter is calculated. Combined with
the pore size classification method proposed by Loucks et
al. (2012), pores can be classified directly according to the
T2 value, and the specific areas are listed in Table 6. For
convenience, 0.1∼1 ms is classified as nanomicro-pore, 1∼10
ms is classified as nanomeso-pore, and 10∼100 ms is classified
as nano macropore (Jiang et al., 2018).
4.3.1 Effects of temperature
The influence of temperature on the fluid distribution in
pores was obtained by observing the changes of T2 spectra of
cores before and after the imbibition experiments at 20 ◦C 4
MPa and 60 ◦C 4 MPa. Fig. 11 shows the T2 spectrum of the
S2 after the temperature change.
The amount of fluid in the nanomeso-pores is the largest,
that is, the number of nanomeso-pores is the largest, followed
by nano macro pores, micropores, mesopores, and finally,
nanomicro-pores. In Fig. 11, the sample has good connectivity
and is prone to imbibition. Most of the fluids are distributed
in the nano pores (mainly in the nanomeso-pores and nano
macro pores), with lesser amounts of imbibition fluids in the
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Fig. 11. T2 spectrum comparison of S2 after imbibition under different
temperatures.
 
Distribution ratio of fluid in pores of S2 core before and after imbibition at different temperature 
 





























































Fig. 12. Distribution ratio of fluid in pores of S2 core before and after
imbibition at different temperatures.
nanomicro-pores (less than 5% of the total). The rest of the
fluids are distributed in the micropores and mesopores.
Fig. 12 shows the distribution frequency of fluids before
and after imbibition under different conditions. It can be seen
that the proportion of the nano macroporous fluid increases
significantly after imbibition, to about 50%, which indicates
that the imbibition mainly occurs in the nanomacro-pores.
With the increase in the temperature, the proportion of fluid in
the nanomacro-pores increases from 43.56% to 50.81%, and
the distribution frequency of fluids in other pores decreases
to varying degrees, indicating that nanomacro-pores are more
conducive to oil-water exchange with an increase in the
temperature.
After imbibition under 20 ◦C and 4 MPa, the saturated
oil is more stable than that before imbibition. The amount of
fluid in the nanopores increases, but only by a small amount.
The fluid is mainly distributed in the nanomeso-pores and
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nano pores, accounting for 80% of the total. The pore size
of the nano pore is the smallest and the capillary force is the
strongest. Therefore, a small amount of formation water enters
and displaces the crude oil in the pore. Because of the small
pore size, strong capillary force, and the large number of nano
macro pores, they contribute the most to the imbibition. The
amount of nano mesoporous is the second highest, its capillary
force is strong, which is also the main driver of the imbibition.
After increasing the temperature to 60 ◦C, the T2 spectrum
curve shifts to the right, and the fluid concentrates mainly
in the nano macro pores and then in the nanomeso-pores.
Compared with the T2 value of the sample at 4 MPa at
20 ◦C, the fluid in the nanomeso-pore and nano macropore
increases significantly. The reason for this is that with the
increase in the temperature, the viscosity of the crude oil in
the formation decreases, the fluidity of the crude oil increases,
the connectivity improves, and the nano pore capillary force
becomes stronger. Therefore, the amount of the nano pore fluid
increases significantly, that is, the oil-water replacement in the
formation mainly occurs here.
4.3.2 Effects of pressure
The T2 spectrum of the samples after subjecting them to
conditions of 20 ◦C at 0.1 MPa and 20 ◦C at 4 MPa show
the characteristics of the fluid distribution in pores before and
after imbibition under different pressures. The T2 spectrum of
the cores is also used to analyze the influence of pressure
on fluid distribution in the pores. Fig. 13 shows the T2 of
the S2 core after imbibition under different pressures. The T2
spectrum value of the saturated formation water reflects the
pore distribution in the core. Because only the distribution of
the H+ ion is detected by NMR, the movable water distribution
can reflect the general pore distribution.
The core is mainly composed of nanopores and microp-
ores. The bimodal structure shows that the pores of different
sizes have good connectivity, and that the nanopores are the
main type of pore. Fig. 13 shows that after imbibition, the
fluid in the pores is mainly distributed in the nanopores and
micropores, accounting for about 80%. The reason for this is
that the imbibition is mainly affected by the capillary force.
The pore size of nano pores is small and the capillary force is
strong. The number of nano pores is large, and the imbibition
effect is obvious. The fluid distribution in different pore sizes
is plotted in Fig. 14 to show the fluid changes more intuitively
in different pore sizes.
The fluid content in the nanomeso-pores is the highest
before imbibition, reaching 51.20%. It indicates that in the
process of displacement, the formation water in the pores is
displaced from the macro pores to the nano pores under the
effect of the external displacement pressure. Therefore, the
amount of the formation water in the nano pores is the largest.
Under different pressures, the same core shows different
imbibition characteristics. Compared with the imbibition under
0.1 MPa, the ratio of fluid in the nano pore is increased. The
fluid content in all pores also increases because the increase
in pressure has a positive effect on the recovery. The reason
for highest amount of fluid in the nano-macropore can be
explained by the higher pressure which favors more formation
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Fig. 13. T2 spectrum comparison of S2 after imbibition under different
pressures.
 







































Fig. 14. Distribution ratio of fluid in pores before and after imbibition under
different pressure conditions.
water to enter the pores due to the increase in external pressure.
Meanwhile, a higher pressure causes deformation in pores,
squeezing out the crude oil in the pores which provides more
space for water to enter the oil-bearing pores. The reason for
the small increase in mesoporous fluid can be explained by
the compaction effects which discharge the crude oil in the
pores, whereas formation water can not completely enter.
One conclusion can be obtained is that the largest amount
of fluid infiltrates the nano pores, which dominates the imbibi-
tion at an elevated pressure. The amount of fluid in each type
of pore in the core increases with increasing pressure. The
amount of fluid in the nano macropore increases by about
10% for samples under 4 MPa compared with that under
0.1 MPa. Increasing pressure reduces the sizes of nano-pores
due to the compaction effects, which explains the residual
water volume in nanomacro-pores increasing from 36.79% to
43.56%. The significant increment in the portion of residual
water in nanomacro-pores further leads to the decrease in the
portion of residual water in nanomeso-pores.
5. Conclusions
1) The imbibition experiments on rock samples at 20 ◦C and
60 ◦C under 4 MPa pressure shows that the imbibition
recovery increases by 10-15% with an increase in the
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temperature.
2) The oil recovery increases by 3-5% with an increase in
the pressure.
3) The imbibed water is mainly distributed in the nano-pores
after the imbibition process. The nanomacro-pores play a
dominate role in the imbibition of tight samples.
4) Increasing pressure increases the amount of irreducible
water in the nano pores, with the relatively more signif-
icant increase in the amount of irreducible water in the
nanomacro-pores compared with other types of pores.
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